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Abstract

All decisionsabout investments in new generation, transmission, distributed energy re-

sourcesand load management are basedon expectations about future market conditions. This

paper develops an analytical framework for evaluating forward contracts and investment de-

cisionsunder the assumption that Þrms are risk averse. A Þxed price/Þxed quantit y delivery

contract forms the basis for the portfolio of a Distribution Company (DISCO). It is supple-

mented by a two-part contract for peakingcapacity (A variable chargefor real energydelivered

and a Þxedcharge for capacity). The prices and quantities of thesecontracts are optimized to

provide an equilibrium solution between the DISCOs and the Generating Companies(GEN-

COs) with equal market power for each side of the market. Additional purchasesof electricity

may be made in a spot market that is characterized by infrequent price spikes during the

summer months. These price spikes make the spot market very risky for a DISCO because

customerspay a Þxedregulated rate to the DISCO. Using a set of realistic assumptionsabout

price behavior in the spot market, the results show that the optimum quantit y of capacity

contracted by the DISCO is substantially above the averageon-peak load for the summer.

From the perspective of a potential investor in new generating capacity, the net revenue

from a peaking contract is shown to be lessthan 30% of the level neededto justify the invest-

ment. The additional annual premium neededto build 1000MW of new peaking capacity is

shown to be much smaller than the equivalent cost of two alternativ e policies that attempt to

make the market give the ÒrightÓ signals for a new investment. The Þrst policy is to ensure

that the annualized capital cost of new peaking capacity can be recovered by increasing the

price paid for availabilit y in an ICAP (capacity) market. This higher price is paid for all

capacity in the ICAP market and not just for the new investment. The secondpolicy is to

allow higher price spikes in the spot market, keeping the average spot price constant. The

additional risk facedby a DISCO with higher and more volatile spot prices puts a GENCO in

a strong position to extract a substantial risk premium from the DISCO above the expected

spot price. This risk premium leads to an increasein the total cost paid by a DISCO when

price spikesare allowed. However, the additional cost of investing in new peaking capacity is

lessthan half the corresponding increasedcost using higher ICAP payments.

Key Words: investment incentiv es, two-part contract, price spikes, risk averse,ICAP

JEL classiÞcation:C0; G0; L0; L5; L9; Q4
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1 Introduction

In both regulatedand deregulated(or restructured) markets for electricity, the supply systemmust

meet standards of reliabilit y as well as generateenoughreal energy to meet the current level of

load (demand). System security determineshow to use existing generatorsin real time to cover

an unexpected loss of equipment, such as a generator. System adequacydeterminesthe level of

generationand transmissioncapacity neededto meet expecteddemandin the future.

The real energy purchasedby customersis a private good, but maintaining reliabilit y on a

network is a public good (Mount, Schulze and Schuler, 2003). Consequently, the needto specify

an explicit reliabilit y standard for systemadequacywill still remain in a deregulatedmarket, but

there is no built-in way to ensurethat investment will be su!cien t to meet this standard. Since

market forcesdetermine investment behavior in a deregulatedmarket, market participants decide

on their own whether or not they want to build a new facilit y. Oren(2002) arguesthat system

adequacycan be treated as a private good if the reserve margin is speciÞedas a Þxedproportion

of the maximum load. However, this still implies that there is no guarantee that the amount of

installed capacity in a deregulatedmarket will be su!cien t to maintain systemadequacywithout

someoversight and possibleintervention by the systemoperator and/or by regulators. The focus

of this paper is on generationcapacity, and the transmissioncapacity is treated asÞxed. In reality,

both typesof capacity interact with each other to determinewhether or not systemadequacyin a

load pocket, for example,meetsthe NERC standard. An important goal for future research is to

extend the methods to considerinvestment in transmission.

The proceduresusedby NERC to identify a future shortfall of generationcapacity are similar

in both regulated and deregulatedmarkets. The main di"erence is in the responseto a potential

shortfall of capacity. Under traditional regulation, having a guaranteed rate of return on a prudent

investment provided a su!cien t incentiv eto ensurethat utilities would bewilling to build the needed

capacity. In fact, regulators were typically more concernedabout the Averich-Johnsone"ect and

having too much capacity built rather than too little capacity. Sincethere is no guaranteed rate of

return in a deregulatedmarket, investorsÕexpectations about the spot market determine directly,

or indirectly through forward contracts, whether a particular investment is worthwhile. Without
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a guaranteed rate of return, Þnancial risk becomesa central issue for investors. Unfortunately,

regulatorsin the USA have probably exacerbatedthe Þnancialrisk facedby investorsin deregulated

marketsby changingthe market rulesand, moreimportantly, market outcomes(seeBushnell (2003)

for a generaldiscussionof this topic, and Mount and Lee (2003) for an analysisof the Californian

market during the ÒcrisisÓin 2000/01).

The forward prices(the price at the current trading date for delivery at a speciÞedfuture date)

of electricity and fuels are the basic inputs for evaluating an investment in generation capacity.

Although economic theory can determine the prices of standard Þnancial derivatives for many

commodities, such as stocks and bonds, this is not the casefor electricity. The Þrst reason is

that part of the risk, such as the regulatory risk, cannot be diversiÞed,and therefore, standard

procedures, like using the Black-Scholes formula, are no longer applicable. A secondreason is

that electricity is e"ectively non-storable, and as a result, standard arbitrage-basedmethods of

determining forward prices are also not applicable. For storable commodities, the Òcost-of-carryÓ

is the key factor linking the forward price to the spot price, and in equilibrium, the forward price is

equal to the spot price plus the cost of storage.For electricity, however, the quantities deliveredon

di"erent datesare e"ectively di"erent commodities, and the forward price curve for future delivery

dates corresponds to the expectation of the corresponding spot price for each delivery date plus

a risk premium. Consequently, forward curvesfor electricity are inßuencedby expectations about

fuel pricesand tend to exhibit distinct seasonalpatterns reßectingthe level of load.

Sincethe standard analytical proceduresfor calculating forward pricesare not appropriate for

electricity, one possiblealternative approach is to usethe observed relationship betweenspot and

forward pricesto estimate the risk premium. Unfortunately, there is no establishedsourceof price

discovery for the forward price of electricity that is equivalent to the futures market for natural gas

operated by the New York Mercantile Exchange(NYMEx) at Henry Hub. A fundamental compli-

cation for electricity is that the e"ects of congestionon the transmissionsystem and of di"erent

regulatory rules in di"erent regionsmake spot price behavior much more regionally idiosyncratic

comparedto natural gas. Consequently, it is infeasible for pricing electricity derivatives to rely

on prices in a national market at one location as a primary sourceof price discovery for all loca-

tions. For example, NYMEx trades Þnancial swap options (contracts for the cost-of-di"erences)

for electricity at three di"erent locations in New York State, but it is unlikely that these prices
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would provide e"ective hedgesfor prices in PJM and New England. Until recently, the volume of

electricity trading on public exchangeswas limited, and this lack of liquidit y made thesemarkets

unreliable as a sourceof price discovery. Most trading was, and continuesto be, over-the-counter,

and public information about the forward price curve for electricity is often unreliableand is simply

not available for many regionsof the country.

Due to thesedi!culties, there is relatively little literature addressingthe issueof how to price

derivatives in electricity markets. Routledge, Seppi, and Spatt (1999) determine an equilibrium

price for an electricity contract by linking the markets for natural gasand electricity (i.e. analyzing

the sparkspread)and usingthe fact that natural gascanbestoredor converted into electricity. Wu,

Kleindorfer and Zhang (2000) specify a contract arrangement betweenone Sellerand one or more

Buyerswhen the product deliveredunder the contract comesfrom a non-scalable,capital-intensive

production facilit y. In their model, Buyers and the Seller negotiate contracts in advance,and on

any day, the Seller can sell in the spot market any electricity that is not usedby the Buyers, or

buy electricity in the spot market if the spot price is lower than the production cost. This type of

bilateral contract is a two-part contract. The Þrst part is a reservation costper unit of capacity, and

the secondpart is an executioncostor price per unit of product purchased.Usinga von-Stackelberg

gamewith the Selleras the leader, they show that the optimal contract for the Seller is to set the

executioncost equal to the true marginal cost, and to set the reservation cost ashigh as the Buyer

canbear. Mount and Yoo (2002)show how weatherderivativescan be usedto hedgecontracts that

specify high priceson hot (high load) days, and therefore,preserve important market signals.

Bessembinder and Lemmon(B&L, 2002)present an equilibrium model of the spot and forward

pricesthat applieswhen thesepricesare determinedby industry participants and the net position

of the market is always zero(i.e. there is no speculationby traders). Assumingthat the participants

are risk averseand represented by a mean-variance framework, B&L obtain closedform solutions

for the equilibrium forward price and for the optimal forward position. Using this model, the

equilibrium forward price has a higher risk premium in the summer months when the expected

market demand and the price volatilit y are highest. They show that this prediction is conÞrmed

by data from PJM and California (prior to the crisis period). Siddiqui (2002) usesa similar mean-

variance framework to considermarkets for reserve capacity as well as for real energyand shows

that reservescan be treated like a Þnancialderivative and usedto managerisk.
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All of the papers cited in the previous paragraph deal with the Þnancial risk associated with

the uncertainty of future prices. At the present time, the e"ects of regulatory risk, however, are

likely to increasethe risk premium for electricity. For example,it is di!cult at the present time for

investorsto predict the e"ects of establishinga new RegionalTransmissionOrganization (RTO) in

the Midwest. The underlying implication is that observed forward prices may di"er substantially

from the valuesimplied by simpleeconomicmodels. This wasdeÞnitelythe casein California during

the crisis (Mount and Lee), but, as mentioned above, B&L Þnd that the forward pricesbeforethe

crisis were consistent with their theoretical model. In addition, Lucia and Schwartz (2002) show

that the risk premium in the Nordic market follows a similar seasonalpattern to the one derived

by B&L. In the Nordic market, the prices have been relatively stable and free from the type of

disruptions experiencedin the USA.

The basicconclusionsrelating to systemreliabilit y are (1) it is important to have public infor-

mation about forward pricesaswell asspot prices,particularly when major regulatory changesare

likely to occur, and (2) uncertainty about the e"ects of regulatory rules, such as the Automatic

Mitigation Procedures(AMP) usedin the Northeast, is likely to increaseto the risk premium for

electricity and make it harder and more expensive to meet reliabilit y standards.

There are indications that shortagesof generation capacity may occur relatively soon in the

Northeast. For example, a recent study of electricity supply in New York City predicts that an

additional 2600MW of capacity will be neededby 2008(New York City Energy Policy Task Force,

2004). The main objective of this paper is to provide an analytical framework for evaluating this

typeof problem. The approach takenis similar to the oneusedby B&L, but in our model, the mean-

variance framework is replacedby a representation of risk that is more consistent with economic

theory. As Jarrow and Zhao(2003)explain, a mean-varianceframework is not an appropriate model

when the distribution of returns is skewed, and skewnessis an important feature of deregulated

electricity markets due to the presenceof price spikes. In particular, our model exhibits aversion

to Þnancial losses,and as a result, the framework identiÞes the basic asymmetry of risk facedby

buyersand sellerswhen price spikesoccur in the spot market.

The uncertainty of both price and load (volume) are modeledexplicitly, and it is assumedthat

any regulatory risk is incorporated into the probability density functions for price and load. In this

respect, our model has the samelimitation as the other models in the literature. Sinceregulatory
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risk is likely to increasethe risk premium for electricity, our results should be treated as a lower

bound on the cost of maintaining system reliabilit y when the Þnancial incentiv es for investment

in the spot market are inadequate. Determining how well our predicted forward prices explain

observed forward priceswill be a subject for future research.

If a projected shortfall in generationcapacity is identiÞed in a region (i.e. standardsof system

adequacywill not be met in the future given current information on investment and retirements),

the most direct way of correcting the problem is to requestbids for building the additional capacity.

This requestcould bemadeby a systemoperator and/or by regulators,and the costof the contracts

would eventually be allocated to the Load ServingEntities (LSE) in the region. This type of direct

intervention by regulatorsis consideredby many peopleto be inconsistent with the basicobjectiveof

relying on market forcesto make decisionsin a deregulatedmarket. Largely in responseto this type

of reasoning,regulators in the Northeast have beenconsideringalternativesto direct contracting.

One alternative to direct contracting has already beenimplemented in New York State, and it

involvesaugmenting payments to generatorsin the Installed Capacity (ICAP) auction. The current

rule in New York State requireseach LSE to buy generationcapacity in the ICAP auction to cover

their forecastedpeak load plus an 18%margin. Any LSE that fails to cover this margin must pay

a very large penalty. Similar rules govern the ICAP markets in PJM and New England. Sellers

of ICAP receive the revenuesfrom the auction and, in return, have an obligation to submit o"ers

into the Day-Ahead Market (DAM). In other words, the ICAP auction provides assurancethat

generatorswill be available in the DAM and that standardsof systemadequacywill be maintained

in the short run (i.e. a few months ahead).

The modiÞed ICAP auction speciÞesa demandcurve that is calibrated to pay the annualized

capital cost of 1MW of new peaking capacity at the ÓidealÓlevel of capacity neededto maintain

system adequacy(Reeder, 2002). The clearing price will be higher (lower) if the total capacity

o"ered is less (more) than the ideal amount. The narrow objectives of the modiÞcation are to

stabilize revenues for generatorsin the ICAP auction and to extend the auction further into the

future. The broad objectivesare to encouragenew investment and discourageretirements when a

capacity shortageis projected in the future.

A secondalternativeto direct contracting correspondsto the approach takenin Australia. Partly

in responseto the Californian crisis, regulators in the USA have imposedrelatively low price caps
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in the spot market and implemented other Automatic Mitigation Procedures(AMP). In Australia,

the regulatory environment is very di"erent and the price cap is about seven times higher than it is

in the Northeasternmarkets ($10,000A/MW versus$1000US/MW). In general,higher price spikes

imply higher returns for peakingcapacity in the spot market, but the overall averageprice may be

higher or lower. The evidencefrom Australia suggeststhat deregulation has reducedthe average

price even though very high price spikesdo occur (NECA, 2004).

The Þrst part of this paper (Section2) developsan analytical framework for evaluating forward

contracts under the assumptionthat Þrmswant to avoid Þnanciallosses(i.e. Þrmsare risk averse).

A Þxed price/Þxed quantit y contract, similar to the standard contract-for-di"erences traded on

the New York Mercantile Exchange, forms the basis for the portfolio of a Distribution Company

(DISCO). It is assumedthat the DISCO is in a transition phaseof deregulation,and the customers

of the DISCO pay a Þxedregulatedrate for electricity. The DISCO facesvolumerisk, becauseload

is stochastic, and price risk for purchasesin the spot market. The Þxedcontract is supplemented

by a two-part contract for peakingcapacity (A variable charge/MWh for real energydeliveredand

a Þxedcharge/MW for capacity).

The prices and quantities of the two-part contract are optimized to provide an equilibrium

solution betweenthe DISCOsand the GeneratingCompanies(GENCOs) with equalmarket power

for each side of the market. Additional transactions may be made in the spot market that is

characterizedby infrequent price spikesduring the summermonths. Theseprice spikesimply higher

proÞts for a GENCO but they make the spot market very risky for a DISCO. In our analysis,the

behavior of spot pricesis exogenousand is not a"ected by the positionsof the DISCO and GENCO

in the forward market.

The secondpart of the paper (Section 3) evaluatesan investment decisionfor 1000MW of new

peaking capacity. The assumption is that a potential new entrant into the market must receive

a high enough rate of return to cover the inherent risk in the electricity market and make the

investment equivalent to a stable rate of return in the bond market. It is assumedthat the investor

already has a forward contract for fuel but will need to have a long-term forward contract for

electricity to secureÞnancing. The terms of this forward contract will be a"ected by prices in the

spot market. Given the asymmetry of risk in the market, an investor can get a high premium in a

forward contract from a DISCO whenprice spikesarehigh and/or frequent. Under the assumptions
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madeabout spot prices,a forward contract for peaking capacity will provide lessthan 30%of the

rate of return neededto justify an investment in new capacity.

Given this predicament for investors, the analysis then evaluates the Þnancial implications of

providing a su!cien t supplement to the earningsof a potential investor to make an investment in

peakingcapacity occur. The three alternative proceduresconsideredare (1) using a direct contract

for the new capacity, (2) increasingpayments in a capacity auction to cover the annual capital cost

of peakingcapacity, and (3) increasingthe number and frequencyof price spikesin the spot market.

The resultsshow that the Þrst procedureis by far the leastexpensive becausemost of the additional

costsusing the other two proceduresgo to the ownersof installed capacity. Furthermore, there is

no obligation placed on the owners of installed capacity to invest in new capacity. In contrast,

the direct contract is, by deÞnition, an obligation to build a speciÞedamount of peaking capacity.

Theseconclusionsare summarizedin Section4.

2 An Analytic Framework for Evaluating Forward Con-

tracts for Electricity

2.1 The Financial Risk of Transactions in the Spot Market

Spot prices in a deregulatedelectricity market like PJM tend to be highly volatile in the summer

months whenthe load is high. This wasparticularly true in 1999whensupplierswereÞrst allowedto

submit market-basedo"ers into the auction. Mount and Oh (2004)describe how suppliersbehaved

in this auction, and they show how computeragents canbeusedto replicatethe behavior of suppliers

and the price volatilit y in this spot market. In a deregulatedelectricity market, uncertainty about

the actual level of system load makes it rational for somesuppliers to speculate with marginal

generators,and the result is a supply curve shaped like a hockey stick. Figure 1 shows the actual

o"ers submitted at 5pm on the last Tuesday of April to August in 1999. Speculative o"ers were

submitted in all of the casesshown in Figure 1 even though the total capacity o"ered varied a lot.

When load is high relative to the total capacity o"ered into the auction, a price spike may occur,

and a price spike did occur in the casefor July in Figure 1.

Figure 2 shows the daily averageon-peak price and load in the PJM spot market from April,
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PJM Offer Curves at 5pm from April to August (last Tuesday)
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Figure 1: Supply CurvesO"ered into the PJM Auction in 1999
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Figure 2: AverageOn-Peak Price and Load in the PJM Spot Market

1998 to December, 2003. The price spikes in the summer of 1999 are higher and more frequent

than they are in other years. In 1998, o"ers into the auction had to be basedon the true costs

and speculation was not allowed. Following 1999,high priceshave beenmitigated by a number of

factors, such as new capacity, load responseand AMP. The overall implications for a deregulated

market are (1) both price risk and volume risk are important features, and (2) the risk is much

higher in the summerthan it is in other seasons.

Since the high loads in the summer determine the amount of generation capacity neededfor

systemadequacy, our analysiswill focuson the summermonths. The basicassumptionis that some

peaking capacity is only neededduring the summer,and as a result, the total annual earningsfor

this capacity must accrueduring the summer. In addition, we assumethat day-to-day variabilit y in
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earningsis inevitable. It is the variabilit y of the cumulative earningsover the summerthat matters

for Þnancialrisk. This is consistent with the standard Þnancialreporting of public companiesevery

quarter. In other words,we assumethat a Þrm is concernedabout the proÞt or lossin each quarter.

In addition, we assumethat Þrmsare risk averseand want to avoid losses.The next step is to show

that a DISCO facesmore risk than a GENCO in the spot market.

The basicassumptionsfor a DISCO are (1) it hasan obligation to meeta Þxedproportion (5%)

of the zonal load, (2) it is in a transition phaseof deregulationand is paid a Þxedregulatedrate by

customers,and (3) it has other Þnancialobligations to cover, such as the cost of maintaining the

distribution system. If the DISCO purchasesall electricity in the spot market to meet load, the

price risk and volumerisk are substantial. On a day when the load is high and a price spike occurs,

the DISCO still hasto purchaseelectricity even though the regulatedprice paid by customersis less

than the spot price. During a hot summer,this situation will occur relatively often and the DISCO

may make a cumulative lossby the end of the summer. The obligation to serve customersis the

underlying reasonwhy PaciÞcGasand Electric declaredbankruptcy during the crisis in California

in 2000.

On the supply side of the market, it is assumedthat there are two types of Þrms. One owns

baseload capacity and the other ownspeakingcapacity. Both typesof GENCO havepredetermined

costsof production (i.e. the prices of fuels and other inputs are Þxed in forward contracts). The

main di"erence betweena DISCO and a GENCO is that a GENCO does not have to produce if

the spot price is below the marginal cost. This is equivalent to holding a call option with the strike

price equal to the marginal cost. Unlike a DISCO, a GENCO is not vulnerable to operating losses

but there is no guarantee that earningswill cover the full cost of capital. Sincethe DISCO and the

GENCO facethe samespot pricesin the analysis,we are implicitly ignoring the possibility of price

di"erencesdue to congestionon the network.

The underlying sourceof risk facedby both a DISCO and a GENCO is the stochastic nature

of the weather during the summer. High temperatures are associated with high loads and high

prices in the spot market. Weather generatorscan be used to determine realistic realizations of

daily temperatures(Yoo, 2004),and we usea sampleof 1000realizationsof temperature patterns

in the summer to determine the stochastic properties of the load and spot price. The description

of thesesimulations and the speciÞcationsfor the DISCO and the GENCO are given in Section3
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(the cost structures of the GENCO and the DISCO in Figure 3 and 4 are simpler than they are in

the simulations). The purposehere is simply to illustrate the di"erencesin Þnancialrisk facedby

a DISCO and a GENCO in the spot market.
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Figure 3: Quarterly earningsof a DISCO and a GENCO (million$)

The results summarizedin Figure 3 show the relative frequenciesof the quarterly earningsfor

a DISCO and a GENCO (peaking) using the sample of 1000 summers. The di"erence between

them is obvious. The distribution for the DISCO is skewed to the left and the distribution for the

GENCO is skewed to the right. The GENCO never makes a loss, but the DISCO makes a loss

most of the time and the magnitudesof somelossesare substantial. On average,the DISCO makes

a loss (-$4.5million), which must be recovered in other seasons,and the GENCO makes a proÞt

($5.3million). The results in Section3 show that the DISCO is willing to accepta larger average

lossto avoid the very large lossesthat can occur in a hot summer. This implies that the GENCO

is paid a risk premium in a forward contract.

The Þnancial risk faced by a DISCO in the spot market can be o"set by purchasing forward

contracts at predeterminedprices. The structure of thesecontracts is a"ected by the shape of the

load duration curve, and Figure 4 shows this curve for a typical summer. The shape implies that

roughly 250MW of baseload capacity is neededand up to 600MW of total capacity. Thesevalues,

particularly the latter, are highly sensitive to the speciÞctemperature pattern in the summer. The

basicstrategy of the DISCO is to hold a Þxedprice/Þxed quantit y contract, called a Þxeddelivery

contract, to cover a proportion of the baseload. This type of contract is similar to the Þnancial

contract-for-di"erences traded on the NYMEx, but a Þxeddelivery contract is not appropriate for
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Figure 4: A Simulated Load Duration Curve

the peakingload becausethis load varieshour by hour. A two-part contract is usedfor the peaking

load that speciÞesa price per MW for capacity and a price per MWh for the actual amount of

electricity purchased.This type of contract is not traded on the NYMEx, and it would be executed

as a bilateral contract in the Over-the-Counter market.

In an active and e!cien t market, the pricesin the two di"erent contracts will be closelyrelated

together, becausethere shouldbe no arbitrage opportunities betweenthem and both contracts will

reßect expected conditions in the spot market. The analytical framework developed in the next

sub-sectionpresents a procedurefor evaluating Þnancialrisk and pricing forward contracts giventhe

stochastic characteristicsof the spot market. The basic rule is that both a DISCO and a GENCO

must beneÞtfrom holding a forward contract (basedon expectations about future outcomeswhen

the contract is signed). Using this framework, the optimum portfolio of forward contracts can be

determined. This portfolio implies that there is equilibrium in the spot and forward markets.

2.2 Risk Measurement and Optimal Trading

The economicliterature discussesnumerousways of measuringÞnancialrisk, such as the variance,

expected value of loss, semi-variance, value at risk, conditional value at risk. Modern forms of

measuringrisk have evolved from the original paper by Markowitz (1952)on the portfolio problem.

This theory speciÞesthe meanand varianceof stock returns asthe arguments of an expectedutilit y

function. It can be shown that if the utilit y function is quadratic, expectedutilit y will increasein

mean and decreasein variance for all forms of probability distribution in the portfolio. For this
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utilit y function, only the Þrst two moments matter. Also, if the utilit y function hasan exponential

form and the portfolio follows a normal distribution, the Þrst two moments uniquely determine

the expectedutilit y. However, a quadratic utilit y function has an unrealistic property becausethe

utilit y decreaseswhenthe total return is above a certain point. Using an exponential form of utilit y

function restricts the absolutelevel of risk aversionto be a constant (equal to its power). For some

portfolios, the symmetry of a normal density function is hard to justify. Furthermore, since the

varianceis a symmetric measureof risk, the positive deviationsof total returns above the meanare

penalizedjust as much as the negative deviations. This is not a desirableproperty if traders are

averseto losses.

Giventhe limitations of usingthe varianceto measurerisk, a number of ÓdownsideÓrisk measures

have beenproposed.For example,Value at Risk (VaR) and Conditional Value at Risk (CVaR) are

widely usedtoday. Let l(x; Y) denotethe lossfunction for a decisionvariable x that is chosenfrom

a speciÞedsubsetX , whereY is a random vector. For our application, the valueof x represents the

return from a speciÞcportfolio chosenfrom the set X of all available portfolios, and Y represents

uncertainties in the market. If the probability density function of Y is p(y), wherey is a realization

of Y, the probability of not exceedinga threshold level of losswill be:

#( x, ! ) =
!

l(x,y )<!
p(y)dy

The deÞnition of VaR with conÞdencelevel " of the lossassociated with a decisionvariable x (i.e.

" -VaR ) is the minimum loss:

! " = min { ! |#( x, ! ) " " }

The corresponding deÞnition of CVaR with conÞdencelevel " of the lossassociated with a decision

x (i.e. " -CVaR) is:

#" =
1

1 # "

!

l(x,y )>! !

l (x, y)p(y)dy

VaR is convenient to usebecauseit is analytically tractable, but it has received much criticism

for its inabilit y to di"erentiate betweena portfolios with large losseslessthan ! and another with

small losseslessthan ! that both have the sameprobability " of occurring. The reasonfor this

is that only the probability of a loss lessthan ! matters for VaR and not the magnitude of the

losseslessthan ! . While " -VaR measuresthe lossthat is exceededin (1 # " )100%of the possible
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outcomes," -CVaR is the expectedlevel of loss,conditionedon the lossbeinggreater than or equal

to VaR. Even though CVaR accounts for the magnitude of lossesbeyond VaR, it ignoresthe risk

of lossesabove VaR, and it assumesimplicitly that the risk of any volatilit y above ! is zero.

In an electricity market, the resultspresented in Section2.1 (Figure 3) show that the probability

of large lossesfor a DISCO is a central feature of the market, and a risk measurethat penalizes

large lossesis needed.In addition, the risk of volatile returns above somethreshold value may also

be important for a GENCO. Motivated by this, we proposea utilit y function that accounts for risk

at all levels of return but penalizesdownsiderisk more heavily. The following function is a scaled

form of the Linex function that hasbeendiscussedextensively by Bell (1994):

u($) = (1 # ab)$ + b(1 # exp(# a$)) (1)

where $ is the level of wealth, and a and b are parameters.1 Under the regularity conditions

(a > 0, b > 0 and ab < 1), it can be shown that this is the only form of utilit y function with the

following set of desirableproperties:

Property 1: the Þrm prefersmore wealth to less,i.e., u!($) > 0.

Property 2: the Þrm is lessrisk averseas wealth increases,i.e., r = # u!!($)/u !($) > 0 and r is

monotonically decreasing.

Property 3: the Þrm becomesrisk neutral when earningsare high.

Property 4: utilit y is negative for negative earningsand positive for positive earnings.

Property 5: the marginal utilit y evaluated at 0 is 1, i.e., u!(0) = 1.

The Linex function is an asymmetric measureof risk, and it reßectsa ÞrmÕsdownside risk

aversion by penalizing big losses(w $ 0) very severely (i.e., #% < # b exp(# a$) < # b) and

penalizingpositive proÞts (w " 0) much less(i.e.,# b< # b exp(# a$) < 0). As proÞts increase,the

penalty goes to zero and the Þrm becomesrisk neutral. The utilit y function usedin the analysis

1Jarrow and Zhao (2003) claim that an agentÕsdownside loss averseutilit y can be speciÞedover the portfolioÕs
return:

u(w) =
"

f (w), for w > = a;
f (w) + g(w), for w < a.

where f and g are increasing and f is concave. The function g embodies the investorÕsaversion toward downside
losses(x < a), while the function f represents a standard risk averseutilit y function. The referencelevel a can be a
constant or depend on the distribution of returns. They show that the Linex function is a special caseof this general
model.

13



with a = 1000and b = 0.0005is shown in Figure 5.2 Given the distributions of earningsin Figure

3, the behavior of a DISCO will be much more risk aversethan the behavior of a GENCO.
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Figure 5: Plot of utilit y function

Using the form of a utilit y function in (1), the next step is to deÞnethe conditions under which

a DISCO and a GENCO will be willing to trade a forward contract. The basicprinciple is that the

expected utilities for both the DISCO and the GENCO from holding a forward contract must be

greater than the corresponding expectedutilities of making all transactions in the spot market. In

practice, the di"erent levelsof market power amongthe DISCOsand the GENCOs in an electricity

market will determinethe relative beneÞtsof a trade. To capture various degreesof market power,

we usea standard Nashbargaininggameto model the negotiation processbetweenthe DISCO and

the GENCO. In this model, the arbitrator of the negotiationsabout a forward contract maximizes

the power weighted product of the two utilit y gains from the forward contract, where the weights

represent their relative market power. This can be represented as follows:

max
!

[U($ d1) # U($ d0)]#[U($ g1) # U($ g0)]1" #,

subject to the participation constraints (the individual rationalit y conditions that both Þrmsmust

beneÞt),

U($ d1) > U($ d0)

2The values for a and b are derived from the prices of swap contracts traded in NYMEx. We will present the
details in another research paper.
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U($ g1) > U($ g0)

where U is the expected utilit y function, and %& [0, 1] represents the DISCOÕsrelative market

power, and U($ d1), U($ g1) are the DISCOÕsand the GENCOÕsexpected utilit y with contract %,

and U($ d0), U($ g0) are the DISCOÕsand the GENCOÕsexpected utilit y in the spot market. In

our analysis,we assumethat the GENCO and the DISCO have equalmarket power, so %= 0.5.

2.3 Specifications of the Contract Portfolio

Basedon the discussionin Section 2.1, the representativ e DISCO holds a contract portfolio that

consistsof a Þxedprice/Þxed quantit y contract for baseload and a two-part contract for peaking

load. Denote the Þxedcontract as (Qb, Pb), whereQb is the contract quantit y(MW), and Pb is the

contract price($/MWh). Denotethe two-part contract as(Qp, Lp, Pp). Qp is the maximum quantit y

that the DISCO can purchasefrom the GENCO for each delivery hour(MW). Initially , Qp is set to

be equal to the DISCOÕsmaximum peak load Dmax , i.e., Qp = Dmax . Lp is the Þxedchargefor Qp.

Pp is a vector of variable priceswhen a purchaseoccurs($/MWh). Let Vi denotethe variable price

for i th peakunit, then Pp = { V1, V2, ..., VD max } . To be consistent with the stacked supply curve, the

elements of Pp has to satisfy the following condition, V1 $ V2 $ , ..., $ VD max $ Pcap, wherePcap is

the price cap in the market. If Vi = Pcap, it is equivalent to not holding a contract becausethe

market providesan automatic call option with the strike price equal to Pcap. Qp correspondsto the

highest load with Vi < Pcap.

Further assumethat the quantit y and price for the Þxedcontract is known when the two-part

contract is signed,and the quantit y in the contract exactly covers the baseload. So the following

discussionwill focuson the trading betweenthe DISCO and the peakingGENCO (denotedas the

GENCO in the following discussion).An additional restriction is that the capacity purchasedfrom

the two-part contract can only be usedto meet the DISCOÕsown load, and cannot be sold to other

DISCOs. The reasonfor this restriction is that it ensuresthat there is equilibrium betweendemand

and supply in the market.

Let qb, qp and qs denote the real-time purchasefrom the Þxed contract, the two-part contract

and the spot market, respectively. It follows from the assumptionsthat the DISCOÕspeaking load

is D = qp + qs, qp $ Qp and qb = Qb.

For the representativ e GENCO, the true marginal cost for i th unit is M C = m + n ! i . The
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GENCO receivesthe ÞxedchargeLp from the DISCO, and is alsopaid for qp units at the variable

price { V1, V2, ..., Vqp } in real time whenever a purchaseoccurs. However, the GENCO has to pay

a standby cost $s/M W for being available to the DISCO in the two-part contract. The GENCO

can sell any excesscapacity to the spot market, but this quantit y cannot exceedqs to be consistent

with a market equilibrium.

The notation of the contract are summarizedbelow:

Contract Notation:

¥ Qb Ñ Contract quantit y for the Þxedprice/Þxed quantit y contract.

¥ Pb Ñ Contract price for the Þxedprice/Þxed quantit y contract.

¥ Qp Ñ Contract quantit y in the two-part contract.

¥ Pp Ñ Variable price in the two-part contract. Pp = { V1, V2, ..., VQp } , whereVi is the variable

price for i th peak unit.

¥ Lp Ñ Fixed Chargein the two-part contract.

GeneralNotation:

¥ C Ñ DISCOÕsFixed Cost paid for maintaining the distribution system.

¥ s Ñ GENCOÕsStandby Cost for being available in the two-part contract.

¥ R Ñ RegulatedPrice for the DISCO.

¥ M C(i ) Ñ GENCOÕsmarginal cost for i th unit, deÞnedas M C(i ) = m + n ! i .

¥ D Ñ Peaking load. It is a random variable with probability density function f D (i ). D will

take values(1, 2, ..., i, ...Dmax ), whereDmax is the maximum peaking load.

¥ P Ñ Spot price. It is a random variable with the conditional probability distribution function

&P |D (p|i ). M C < P < Pcap, wherePcap is the price cap.

PreassignedRelations:

¥ Qb = qb
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¥ Qp $ Dmax

¥ D = qp + qs

¥ %= 0.5

In this contract portfolio, the unknown variables are V1, V2..., VQp and Lp, and the following

equilibrium framework is usedto solve theseunknowns.

Objective Function:

max
V1,...,VQ p ,L p

[Ud1 # Ud0)]#[Ug1 # Ug0]1" #, (2)

subject to,

Ud1 > Ud0

Ug1 > Ug0

V1 $ V2 $ ... $ VQp $ Pcap

where,

U! =
D max#

i =1

"
f D (i )

! Pcap

C(i )
u(&! |i, p)&P |D (p|i )dp

$
(3)

Notion Ò! Óstands for d1, d0, g1 or g0. The integral in (3) stands for the expectedutilit y given a

peaking load i . The summation determinesthe expectedutilit y for all the load levels.

The following expressionsdescribe the proÞt function for the DISCO and the GENCO.

¥ Ud0 Ñ DISCOÕsexpected utilit y with only a Þxed delivery contract, deÞnedin (3), with

conditional proÞt:

&d0 = (Qb + i ) ! R # Pb ! Qb # ip # C (4)

In (4), (Qb+ i ) ! R is the DISCOÕsrevenue, Pb! Qb is the cost of the Þxedprice/Þxed quantit y

contract, ip is the cost of purchasing peaking load in the spot market, and C is the cost of

maintaining the distribution system.

¥ Ud1 Ñ DISCOÕsexpectedutilit y with two contracts, deÞnedin (3), with conditional proÞt:

&d1 = (Qb + i ) ! R # Pb ! Qb #
i#

k=1

M in (p,Vk) # Qp ! Lp # C (5)
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(5) hasthe samestructure as(4), exceptthat the DISCO hasto pay (Qp ! Lp) for the peaking

contract. In return, the DISCO can chooseto purchasepeaking load either from the spot

market or from the two-part contract, sothe variable costof peakingload is
% i

k=1 M in (p,Vk).

¥ Ug0 Ñ GENCOÕsexpected utilit y without any contracts, deÞnedin (3), with conditional

proÞt:

&g0 =
i#

k=1

(p # M C(k))+ (6)

Without any contracts, the GENCO sellspower up to i in the spot market, and earns(p #

M C(k))+ per unit, where1 $ k $ i . In the simulation, the spot price for peaking load k is

never lessthan the marginal cost M C(k).

¥ Ug1 Ñ GENCOÕsexpected utilit y with two-part contracts, deÞnedin (3), with conditional

proÞt:

&g1 =
i#

k=1

(p # M C(k))+ + Qp ! Lp #
i#

k=1

(p # Vk)+ # s ! Qp (7)

With a two-part contract, in addition to the original proÞt, the GENCO will earn Qp ! Lp

from the two-part contract. In return, the GENCO pays back
% i

k=1 (p# Vk)+ to the DISCO.

Also, the GENCO has to pay a standby cost s ! Qp.

The above discussionis basedon the hourly proÞt. In our context, both the GENCO and the

DISCO are more concernedabout the proÞt for the whole summer season. The extension from

the hourly-basedproÞt function to summer-basedproÞt is straightforward. Sincecloseforms for

the probability distributions of loads and prices are not available, we use simulation to solve the

optimization problem stated in (2).

(2) is a highly constrainedoptimization problem. In order to obtain a global maxima, Simulated

Annealing, a heuristic optimization method, is usedto solve this problem (Kirkpatric k et al., 1983).

Simulated annealing is a technique usedto Þnd a global optimum by trying random variations of

the current solution. A lower value of the objective is acceptedas the new solution with a speciÞed

probability that decreasesas the computation proceeds.The origin of the Þrst simulated annealing

is generallyrecognizedasa Monte Carlo importance-samplingtechniquefor doing large-dimensional

path integrals arising in statistical physics. The procedurescan be described as follows: from the

current state, pick a random successorstate. If it has a higher value than the current state, then
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acceptthe transition and usethe successorstate asthe current state. Otherwise,do not giveup, but

accept the transition with a given probability. The acceptanceprobability is big at initial stages,

and goesto zeroeventually. In this way, the algorithm can escape local maxima, and move towards

the global maximum.

3 Investment Decisions and Policy Analysis

3.1 The Risk of An Investment

The primary objective of this sub-sectionis to determine the proÞt requirement for investing in

new peaking capacity (a gas turbine generator) by Þrst deriving the mortgage formula, and then

deriving the required proÞt for an investment in a risky project.

Assumethat the proÞt per year from an investment is M , the project life is T years,the interest

rate is r , the total investment is I , and the proÞt is realizedat the end of each year. Under the no

arbitrage assumption,the present value of proÞts must equal the cost of the investment I . With a

oneyear delay for construction, the following relationship betweenI and M holds:

I = M (1 + r )" 2 + M (1 + r )" 3 + ... + M (1 + r )" T " 1

=
M [(1 + r )T # 1]

r (1 + r )T +1
(8)

and

M =
I r (1 + r )T +1

(1 + r )T # 1
(9)

For the simulation presented in Section3.3, the speciÞedvalueof M is $85/K W per year. If the

project life is 20 yearsand the interest rate is 10%per year, the corresponding cost, I , using (8) is:

I =
85[(1+ 10%)20 # 1]

10%(1+ 10%)21
= $658/K W

A secondissueconcernshow an investment is Þnanced.If 50%of the cost is coveredby a 5-year

loan (debt/equity = 1) and this debt is paid back through Þve annual installments after a delay of

two years,the installment M using (9) is (the interest rate is 10%):
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M =
658
2 ' 10%' (1 + 10%)6

(1 + 10%)5 # 1
= $95/K W

In (8) and (9), there is no uncertainty about the value of M . Under risk neutrality, M is

equivalent to the expectedannual proÞt, but higher annual proÞts will be neededif an investor is

risk averse. When an investment is viable, the weighted sum of the expectedannual utilities from

the investment must be larger than the corresponding weighted sum from putting the samemoney

in a bond at the risk-freerate of return. For a typical year, the condition is u(M ) $ E[u($)], where

u is the utilit y function and $ is the stochastic annual proÞt. In the exampleabove, the equity for

a 1000MW generatoris $658/2 million, and this amount is equivalent to a certain annual incomeof

M = $38million/y ear until the end of the project in 21 years3. Assumingthat utilit y is discounted

at the risk-free rate, the present value of utilit y is:

u(38)((1 + r )" 1 + (1 + r )" 2 + . . . + (1 + r )" 20 + (1 + r )" 21) = u(38) ' 8.65 (10)

The corresponding present value for a risky investment in peakingcapacity is:

E[u($ # 95)(1+ r )" 2 + . . . + u($ # 95)(1+ r )" 6 +

u($)(1 + r )" 7 + . . . + u($)(1 + r )" 21]

= E[u($ # 95)] ' 3.45+ E[u($)] ' 4.29 (11)

Since(11) has to be greater than or equal to (10), the value $ # that makes (11)=(10) is the

minimum expected proÞt requirement for investing in new peaking capacity. Using the utilit y

function described in Section2.2, the minimum expectedproÞts is $ # = $90/ KW/y ear. The extra

$5/ KW/y earneededto makethe investment viable correspondsto the costsof delay for construction

and to paying o" the bond in Þve years. The net proÞt for the Þrst Þve yearsof the project is -$5

million/y ear, and then increasesto $90million/Y ear for the remaining 15 yearsof the project.

3Using (9) again, M =
658

2 " 10%" (1+10% )21

(1+10% )21 # 1 = 38.
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3.2 Specifications of the Simulation Model

The relationship between temperature and the demand (load) for electricity is well understood

(Ramanathan et al., 1997;Bunn, 1999and 2000). Using relatively simple forms of ARMA models

(Box and Jenkins,1976), it is possibleto predict the daily maximum load with a 1-2%forecasting

error using temperature as an input variable (Ning, 2001). The daily temperature can also be

represented by a GuassianARMA model with an annual cycle (Yoo, 2004). The relation between

load and price is more complicated,and an innovation of previousresearch wasto predict the daily

price of electricity (averagefor the sixteen-hour peak) using a stochastic regime switching model

(Hamilton, 1994; Ethier and Mount, 1999; Mount, Cai and Ning, 2004). One regime has a low

averageprice with a small variance and the other has a high averageprice with a large variance.

This paper usesa simpler form of regimeswitching model for the price that is easierto modify for

policy analysis.

The simulation model usesdata for New York City becausethis is a region that may face a

shortageof generatingcapacity in the relatively near future. The estimation results for all of the

regressionmodelsare given in appendices.

The averageon-peak temperature (from 7:00am-23:00pm)for New York City is modelled as,

Tt = µt + ' t (12)

where µt is the mean of the temperature Tt and ' t is a residual. The mean and variance follow

annual cycles:

µt = ! 0 + ! 1sin($t) + ! 2cos($t) (13)

log(( 2
t ) = " 0 + " 1sin($t) + " 2cos($t) + )t (14)

' t /( t =
1 # %1L

1 # #1L # #2L2 # #3L3
* t (15)

where ' t ( N (0, ( 2
$), )t ( N (0, ( 2

%), * t ( N (0, ( 2
&), $ = 2&/ 365, and L is a lag operator deÞnedas

L i Yt = Yt" i .

The model is estimatedin three stages.First, Tt is regressedon an annual cycleto estimate(12).

Second,the computed residuals,ö' t , are usedto estimate (14) with ö' 2
t replacing ( 2

t , and third, the

weighted computedresiduals,ö' t / ö( t , are usedto estimate(15). The estimation resultsare presented
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in Table A1.

The averagepeak-loadin New York City (zoneJ) is modelled by the following ARIMA model:

Dt = µ + ! 0mt + ! 1tut + ! 2wt + ! 3tht + ! 4holidayt + ! 5tr endt + ! 6cddt

+ ! 7hddt + ! 8sin1t + ! 9cos1t + ! 10sin2t + ! 11cos2t + ! 12sin3t +

! 13cos3t +
1 # %1L

(1 # #1L # #2L2 # #3L3)(1 # #4L7)
' t (16)

where ' t ( N (0, ( 2
$) . The deÞnition of the variables are summarizedin the Table A2 and the

estimation results are presented at Table A3.

A bilinear model is used to describe the relation between the averageon-peak prices and the

averageon-peakloadsfor the summer. Data for the summers2001and 2002areusedfor the estima-

tion (Data for 2003areexcludedfrom our sampledueto the well-known blackout in August). When

the load is below 8000M W, spot prices are relatively stable. When the load is above 8000M W,

price spikesoccur frequently. Therefore,the pricesaredivided into a low-price regime(< $85/ MWh)

and a high-price regime. All the prices for loads below 8000M W belong to the low-price regime.

When loadsare above 8000M W, pricescan belongto either the low-price regimeor the high-price

regime. The probability of being in the high-price regime could be estimated directly by the ob-

served proportion of high prices in the sample,but this probability is speciÞedin the simulation.

The following two regressionsrepresent the relation betweenload and price:

log(Pht ) = ! 0 + ! 1log(loadt ) + ' t (17)

log(Plt ) = " 0 + " 1log(loadt ) + " 2(log(loadt ))2 + )t (18)

Where Pht and Plt are the averageon-peak prices in the high-price regime and the low-price

regime,respectively, ' t ( N (0, ( 2
$) and )t ( N (0, ( 2

%). The estimation resultsare presented in Table

A4. The estimatesof (18) shows that the relation betweenprice and load in the low-price regime

is approximately linear.

The models (12)-(18) make it possibleto predict the daily temperatures, loadsand spot prices

for New York City during a summer. The basicsourceof risk in the market is whether the summer

is hotter or cooler than normal. One thousandrealizationsof summertemperatureswerecomputed
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Table 1: ParameterSpeciÞcationsfor the Simulation
Date Coverageby simulation Summer Peak Hour s: 16 hour s/da y ! 22 da ys/mon t h! 3 mon t hs/summer

Load
¥ Mo delled by a ARIMA pr ocess, wit h t emp erat ur es as one input var iable

¥ Rest r ict ed t o b e alw ays gr eat er t han 5000MW

Spot Prices (P)

!
"

#

log ( Pt ) = 121 .88 " 28.31log ( load t ) + 1.69( log ( load t ) ) 2 + " t , if D < 8000 MW;
log ( Pt ) = # [121 .88 " 28.31log ( load t ) + 1.69( log ( load t ) ) 2 + " t ]
+( 1 " # ) [" 42.29 + 5.21log ( load t ) + $t ], if D > = 8000 MW;

wher e " t # N ( 0, 0.042 ) , $t # N ( 0, 0.082 ) and

# =
$

1, wit h pr obablit y 0.5;
0, wit h pr obablit y 0.5.

pr ices ar e r est r ict ed t o b e alw ays ab ove mar ginal cost

DISCO
¥ Alw ays face 5% of t he syst em load

¥ Paid at a r egulat ed r at e $120 / M W h , pa y $60 / MW/Hour mult iplied by average load

for all ot her cost s

GENCO

¥ Mar ginal cost is const an t when st acked capacit y is less t han 5000MW. Linear ot her wise

¥ Equal t o $5/MWh when st acked capacit y equal t o 5000MW

¥ Equal t o $90/MWh when st acked capacit y equal t o 10000MW

¥ St andb y cost $2/MW/da y

Utilit y Function u ( w ) = ( 1 " ab) w + b( 1 " exp ( " aw ) ) , wher e a=0.0005 and b=1000.

using Gaussianresiduals,and thesetemperatureswere then usedto predict the load and the spot

price. When the predicted load is greater than 8000MW, the probability of being in the high-price

regimesis speciÞedto be 50%. This is roughly twice as high as the observed proportion of high

prices. A larger valuewasusedto illustrate moree"ectively how price spikesmake the market more

risky for buyers than for sellers.

The Þnal part of the simulation speciÞesthe earningsof a DISCO and a peakingGENCO. The

load of the DISCO is equal to 5% of the total system load. Customerspay a regulated rate of

$120/MWh, and the DISCO hasto cover a Þxedcost of $60/MW times the averageload (385MW),

representing distribution costs.

The costsfacedby the GENCO have a simplestructure to accommodate the analysisof forward

contracts. The marginal cost of production is speciÞedas a Þxedlinear function of the load. This

is equivalent to holding forward contracts for all inputs and having a quadratic cost function. The

marginal cost at the average load (7700MW) is $51/MWh, and the marginal cost increasesby

$17/MWh for every 1000MW of additional load. The valuesof the marginal cost werespeciÞedto

be below the predicted prices(to be consistent with economiclogic), and the constraint that price

is greater than marginal cost is imposedfor all loads. In addition, predicted loadsare constrained

to be greater than 5000MW, but relatively few observations violated theseconstraints. All of the

simulation speciÞcationsare summarizedin Table 1.
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3.3 Simulation Results

The simulation model described in Section 3.2 provides a framework for evaluating the Þnancial

risk facedby a DISCO and a GENCO. Sincethe focusof this sub-sectionis on peakingcapacity, it

is assumedthat the DISCO holdsa Þxedprice/Þxed quantit y contract with a baseload GENCO to

cover the minimum load of 250MW at a price of $68/MWh, equal to the averagedaily spot price

(unweighted, on-peak). The objective of this sub-sectionis to determine the optimum contract

for the peaking load above 250MW betweenthe DISCO and a peakingGENCO using the trading

framework speciÞedin (2). The DISCO is assumedto beoneof 20identical buyersin the market, and

for simplicity, the GENCO is oneof 20 identical sellers.In addition, there arean unspeciÞednumber

of baseload GENCOs supplying 250' 20 = 5000M W of baseload through forward contracts. A

Þnal simpliÞcation is to assumethat all of the earningsin the summer for both the DISCO and

the peaking GENCO accrueduring the on-peak hours, corresponding to a 16-hour contract for 66

weekdays.

If the DISCO makesall purchasesin the spot market, the averageprice is $71/MWh (weighted

by load). The averageprice (unweighted) for base load is $68MWh, and the averageprice for

peaking load is $77/MWh (seeTable 3). Paying these prices implies that the DISCO makes a

loss of $11/MWh on averagefor the summer months. The revenue is determined by the Þxed

regulated rate ($120/MWh), and the averagecostsare $60/MWh for distribution and $71/MWh

for electricity. Sincecustomersalways pay the sameregulated rate, this lossin the summerwould

be covered in other seasonswhen the averageprice of purchasingelectricity is lower.

Figure 6 plots the optimal variable prices for the two-part contract. The lower line is the

GENCOÕsmarginal cost curve, and the line above is the optimal variable price in the two-part

contract determined by the trading optimization. Sincethe price cap is $1000/ MWh, the DISCO

and the GENCO do not beneÞtby contracting the last 50 MW. Sothe overall contract quantit y in

the two-part contract is 250M W. The optimal contracts are shown in Table 2. The total contract

quantit y is 250+ 250= 500MW, which is much higher than the averageload (385' 20 = 7700MW) of

the DISCO and correspondsto the 99th percentile of the load. However, the total contract quantit y

is still lower than the maximum load (550MW). The lump sum payment in the two-part contract

is $18/KW/y ear, which is equivalent to $17/MW/hour in the summer. The contract quantit y is

sensitive to the standby cost, and a higher standby cost will reducethe optimal contract quantit y.
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Figure 6: Optimal Variable Prices for Two-Part Contracts: Normal Case

Table 2: Summary of the Optimal Forward Contracts
Fixed Delivery Contract Peaking Two-part Contract

Contract Quantit y(MW) 250 250
Lump-sum ($/KW/y ear) 0 18

Table 3: The Costsof Purchasesby a DISCO
Spot Mark et Tw o Mark et contracts

AverageRevenue 60 60
(Regulated Rate-Other Costs) (120-60) (120-60)

AveragePrice Paid for All Load 71 76
($/MWh)

For Baseload 68 68

For Peaking 77 89

AverageProÞt ($/MWh) -11 -16
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Figure 7: DISCOÕsUtilit y Levels With and Without the Two Contracts

With a two-part contract, the averagepricepaid for peakingloadby the DISCO is $89/MWh (see

Table3), which is 16%higher than the corresponding averageprice in the spot market ($77/MWh).

This di"erence represents the premium paid by the DISCO to lower risk. Figure 7 plots the distri-

butions of the utilit y of the earningsfor the DISCO during the summerwith and without contracts.

The upper plot correspondsto no contracts, the middle plot to holding oneÞxedprice/Þxed quan-

tit y contract and the bottom plot to holding two contracts (one Þxedprice/Þxed quantit y contract

and one two-part contract). It is obvious that the DISCOÕsquarterly utilit y level is skewed to the

left with no contracts. With a Þxed price/Þxed quantit y contract, utilit y is still skewed but the

chanceof big lossesis much less.With two contracts, utilit y is almost symmetric and the variabilit y

is relatively small, but the meanvalue is lower.

3.4 Investment Incentives

When a peaking GENCO holds a two-part contract, the annual proÞt is only $23/KW/y ear (see

Table 4), which is less than 30% of the level neededto justify an investment in new generating

capacity ($90/KW/y ear, derived in Section 3.1). In order to provide a su!cien t incentiv e for

an investor to build new peaking capacity, additional incentiv es are needed. For the investment

analysis, the new peaking capacity has a production cost (or marginal cost) of $60/MWh. This

production cost is chosento be consistent with the speciÞcationsused in the current regulatory

debateabout investment incentiv esin New York (Reeder,2002). The capital costof $85/KW/y ear,

used in Section 3.1, is also consistent with these speciÞcationsand with the minimum proÞt of
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$90/KW/y ear usedin our analysis.

The next step in the analysisis to evaluate three alternative proceduresfor providing the incen-

tiv esneededto make an investment in peaking capacity viable. The Þrst is to require the DISCO

to sign a direct contract with an investor to build a new generator. This implies that a premium

of $67/KW/y ear (90-23) above the two-part contract must be paid to the investors. The other

two proceduresinvolve changingthe market pricesto give the ÒrightÓsignalsto potential investors.

One procedure,that has beenadopted in New York, is to increasepayments in the Installed Ca-

pacity (ICAP) auction to cover the annual capital cost of peakingcapacity whenever the projected

installed capacity falls below the reliabilit y standard. Using this procedure,all installed capacity is

paid the premium of $67/KW/y ear in the ICAP auction and the spot market is not a"ected. The

other procedure,that is equivalent to conditions in the Australian market, is to allow higher prices

in the spot market. In Australia, the price cap is set to the Value of Lost Load (VoLL) and is

equal to $10000/ MWh. In our analysis,high price spikes(HSP) occur oneday every ten summers

on average. Theseadditional price spikesare assumedto follow a normal distribution with mean

$5000/MWh and standard deviation $1500/MWh, capped at $10000/ M Wh. At the sametime,

the meanprice in the low-price regimeis loweredto make the arithmetic averageprice in the HSP

casethe sameas it is the basecase( the load weighted averagepriceswill be higher than the base

case).This makesthe spot market morerisky for the DISCO, but it alsoprovideshigher investment

incentiv esfor a GENCO. 4

Table4 lists the investorsÕannual proÞt, the DISCOÕsaverageprice and the terms of the optimal

contract under the two di"erent speciÞcationsof the price spikes. Even though the arithmetic

averageprice is the samewith HSP, the averageprices paid by the DISCO increasesubstantially

in both the spot market and with two market contracts (becauseload and price are positively

correlated). An important implication of HSP is that the annual proÞt for the GENCO must be

4The price cap in Australia was increased from $5,000 to $10,000/MWh in April 2002. In 2000, the ACCC
(Australian Competition and Consumer Commission) releaseda Þnal determination on electricity price caps in an
amendment to the National Electricit y Code for the National Electricit y Market. Prices in the wholesalespot market
normally vary between $30/MWh and $60/MWh, but can rise to $5,000/MWh, the current price cap. Prices near
$5,000/MWh occur infrequently and are often due to peak demand on hot summer days or unanticipated plant
failures in generatorsor transmission networks. The National Electricit y Code Administrator proposedto increase
the level of the price cap in two stagesto $20,000/MWh. It argued that the higher price cap would encouragemore
investment in peakinggeneratorsand lessdemandfor electricity at times of capacity shortage,thus leading to greater
reliabilit y. In spite of the higher price cap, averagespot prices have fallen. This is the underlying rational for our
HSP assumptions.
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Table 4: Pricesand ProÞts with High Spot Prices
Base Case High Spot Prices

mean price spike($/MWh) 90 5000
InvestorÕsannual proÞt ($/KW/y ear)

spot market 14 21
two market contracts 23 93

Averageprice paid by DISCO ($/MWh)
spot market 71 85

two market contracts 76 123
Optimal two-part peaking contract

quantit y(MW) 250 300
lump-sum($/KW/Y ear) 18 81
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Figure 8: Optimal Variable Prices for Two-Part Contracts: High Spot PricesCase

above the minimum level of $90/KW/y ear required by investors for new capacity to compensate

for higher risk . The optimal variable pricesin a two-part contract with HSP are plotted in Figure

8. Under HSP, the variable pricesare lower than that in the basecase,but the contract covers the

maximum load.

Table 5 lists the GENCOÕsannual proÞt for di"erent market speciÞcations. With a direct

contract, the DISCO is required to provide an additional lump-sum to the investor. This additional

payment is (90-23)=$67/KW/y ear. Relying on the spot market for peaking load, HSP gives an

annual proÞt of $21/KW/y ear, but this is still not high enough to meet the investorÕsrequired

annual proÞt. However, with two market contracts, HSP meets the proÞt requirement of the

investor ($90/KW/Y ear) becausethe DISCO is willing to pay a large premium to reducerisk.

Table 6 summarizesthe averageprices paid by the DISCO for di"erent market speciÞcations.
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Table 5: GENCOÕsAnnual ProÞt for New PeakingCapacity ($/KW/y ear)
Scenario BaseCase High Spot Prices

$90/MWh +$5000/MWh
Mean Price Spike Pr ice Spik e: 50% chance One da y in t en year s

if load > 8000MW

Spot Market 14 21
Two Market Contracts 23 93
Two Market Contracts 90 -

with Investment
Additional Premium 67 -

above Two Market Contracts ( 90-23)

Table 6: AveragePricesPaid by a DISCO Under High Spot Prices
AveragePrice AveragePrice with AveragePrice Increase

without Contracts Two Market Contracts
($/MWh) ($/MWh) ($/MWh)

BaseCase 71 76 -
High Spot Prices 85 123 123-76=47

From Table 6, the averageprice paid by the DISCO with two market contracts in the BaseCase

(low price spikes) is $5/MWh higher than it is with no contracts ($76/MW comparedto $71/MW).

Using HSP, the averageprice with two market contracts is $38/MWh higher($123/MW compared

to $85/MW ), and the averageprice paid by the DISCO with two market contracts is over oneand

a half time as high as it is in the basecase($123/MWh versus$76/MWh). The price has to be

increasedby $47/MWh neededto ÒcorrectÓthe spot price in the basecase.

The Þnal step in the analysis is to evaluate the three alternative proceduresby comparing

the additional cost of adding 1GW of new peaking capacity to the total installed capacity. This

is done by scaling the results presented in Tables 5-6 to 1000MW, and the choice of 1000MW

represents the extra capacity neededfor systemadequacyto meet reliabilit y standards. The results

are summarized in Table 7. With a direct contract for the investment, the DISCOs must pay

a premium of $67/KW/y ear=$67000/MW/y ear (Table 5) for the 1000MW of new capacity. The

characteristicsof the spot market arenot a"ected in the short run and the total cost is 1000' 67000

= $67million/y ear.

Usingthe ICAP auction to cover the additional investment premium of $67000/MW/y earimplies

that this payment is made to all installed capacity as well as to new peaking capacity (system

adequacyis deÞnedas12000MW=120%of the maximum load). Sincethe new peakingcapacity is
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Table 7: Additional Cost of Adding 1GW of New PeakingCapacity ( $million/y ear)
Annual Premium Cost for Installed Additional Cost Total Additional Cost

Above Market Contracts Capacity in ICAP for All DISCOs
for 1 GW New Capacity Auction

(1) (2) (3) (1)+(2)+(3)
Direct Investment Contract

67 0 0 67
High ICAP payments (11GW Installed Capacity)

67 737 0 804
High Spot Prices(7.7GW Load)

0 0 382 382

only neededduring the summermonths, the ICAP auction must provide this payment for availabilit y

in the summer. The spot market is not a"ected in the short run and the total cost is 12000' 67000

= $804million/y ear.

Allowing higher price spikesin HSP implies that the spot market is riskier for the DISCOs and

the pricesof forward contracts for peakingload are much higher. This increasein the averageprice

is paid by all DISCOs for all on-peak load in the summer. Using HSP, the averageprice with two

market contracts increasesby $47/MWh (Table6), and this increaseis paid for the averageon-peak

load of 7700MW for 16' 66 hours. The total cost is 7700' 47' 16' 66 = $382million/y ear.

The overall conclusionfrom the results in Table 7 is that direct contracting is by far the least

expensive way to ensurethat generationadequacyis su!cien t to meet reliabilit y standards. Trying

to correct market prices by making higher payments in the ICAP auction or by allowing higher

price spikes increasesthe coststo the DISCOs by a factor of 12 and 5, respectively. Furthermore,

paying most of thesehigher costs to the owners of installed capacity provides no guarantee that

any new capacity will be built. In contrast, a direct contract is much lessexpensive, and the terms

of the contract ensurethat the neededcapacity will be built in an appropriate location.

3.5 Average Cost and Average Price Curve

Under the current market design,the total cost of peaking units with low capacity factors cannot

be recovered from the spot market. This argument can be supported by comparing the long-run

averagecost curve and averageprice curve for di"erent capacity factors. The long-run average

cost, the sum of the operating cost and the capital cost, is deÞnedas the cost per operating hour

for a peaking unit. For example,a peaking unit with marginal cost $100/MWh and capital cost
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$72000/MW/y ear that only operatesten days (240 hours) in the year has a long-run averagecost

of $100/MWh+$72000/240=$400/MWh.

In order to calculatethe long-run averagecost,we madethe following assumptionsabout annual

capital cost and capacity factor.

1. For a plant with a low variable cost equal to $15/MWh, the annual capital cost is $155/KW,

and the capital cost is recovered in THREE quarters. This plant is usedif load > 5600MW.

2. For a plant with a high variable cost equal to $60/MWh, the annual capital cost is $85/KW,

and the capital cost is recovered in ONE quarter. This plant is usedif load > 8240MW.

3. The variable costs and annual capital costs of other plants are linear functions of the load

(position in the stack of installed capacity) from 5000MW to 10000MW,basedon the values

for the high cost and low cost plants above.

4. The capital cost recovered in the summer is a piecewiselinear function of the load. For

plants with annual capital costs> $155/KW (< $85/KW), 33%(100%)of the annual capital

cost is recovered in the summer. For plants with annual capital costsbetween$85/KW and

$155/KW, the percentage recoveredis a linear interpolation of the load from 5600MW (33%)

to 8240MW (100%).

5. The meanof the summerload is 7700MWand the standarddeviation is 1100MW(a lognormal

density is usedto simulate load with (load - 5000MW) as the origin).

The averagecost curve can be derived by the following formula,

AverageCost =
Annual Capital Cost ' SharesRecovered in the Summer

SummerCapacity Factor ' Total SummerHours

The averageprice curve can be derived from the following formula,

AveragePr ice(D) =
% D max

i = D (1 # CDF (i ))E(p|i )
% D max

i = D (1 # CDF (i ))
(19)

where CDF is the cumulative distribution function for load, i.e., CDF (i ) =
&i

0 f D (x)dx. And

E(p|i ) is the expected price given load level i , i.e., E(p|i ) =
&Pcap

C(i ) &P |D (p|i )dp, where &P |D (p|i ) is

the conditional probability density function deÞnedin Section2.3.
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Figure 9: Simulated AverageCost and AveragePrice Curve

The averagecost curve and averageprice curve are plotted in Figure 9. The horizontal axis

denotes the summer capacity factor for each point of the stacked supply curve. For example,

60%(7000MW)meansthat a generatingunit located at 7000MW on the stacked supply curve has

a summer capacity factor of 60%. The vertical axis denotes the logarithm of averageprice or

averagecost. Figure 9 shows that peakingunits with positions on the stacked supply curve below

71200MW can recover the total generating cost in the spot market. However, for peaking units

with low capacity factors ($ 55%), the proÞt from the spot market is not high enoughto recover

the total averagecost.

Under the HSP case,the averageprice curve is rotated and becomessteeper, and the shape is

closerto the total averagecost curve. This alsomakesthe spot market more risky for the DISCOs,

and consequently, they are willing to pay a higher risk premium. Hence,the capital cost of a new

peakingunit (with low capacity factor) is recoveredby combining the higher risk premium with the

higher averagespot price.

4 Summary and Conclusions

There are a number of characteristics of electricity markets that make it di!cult to usestandard

economicmodelsto link forward pricesto spot prices. Thesearediscussedin Section1. Nevertheless,

understandingthe behavior of the forward pricesof electricity is essential for analyzing investment

decisions.Relatively long-term forward contracts will be neededby any investor to secureÞnancing
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and commit to building new generationcapacity. Unfortunately, the inherent risk of price spikes

in deregulatedmarkets and the di!cult y of diversifying this risk make risk premiums high and

di!cult to predict. Section2.1 explains the basic asymmetry of the relatively small risk facedby

a generator (GENCO) and the relatively large risk facedby a buyer that has a mandate to meet

load at a regulated rate(DISCO).

The Þrst objective of the paper is to develop a more general framework for evaluating the

Þnancial risk in an electricity market. This framework is developed in Section 2.2 and it usesa

Linex utilit y function that exhibits strong aversion to Þnancial losses. This function represents

an important improvement over other standard models. The new framework is usedto derive the

conditions for an optimum forward trade between a GENCO and a DISCO. The properties of a

portfolio of a Þxedprice/Þxed quantit y contract for baseload and a two-part contract for peaking

load are discussedin Section2.3.

The second,and most important, objective of the paper is to evaluate investment decisions,

becausethere is growing concernamongindustry and government experts about relying on market

forcesto maintain the reliabilit y of the supply system. Systemadequacymay not meetthe necessary

standardsfor reliabilit y in someregions,such as New York City, if new generationcapacity is not

built soon. Section 3.1 shows how to determine the minimum level of proÞt neededto make an

investment Þnancially viable in a risky market.

The analytical framework is applied to data for the New York City region in Sections3.2 and

3.3. The results show that proÞts from the spot market are far too low for a GENCO to invest in

new peaking capacity. This is true even though the averageprice paid by a DISCO in a forward

contracts is substantially higher than the averagespot price. This result should be disturbing for

peopleconcernedabout systemreliabilit y becausethe simulation assumesthat spot pricesarehigher

and price spikesoccur more frequently than they actually do in the New York market.

The analysis in Section 3.4 considersthree di"erent proceduresfor increasing the incentiv es

neededto initiate an investment in new peakingcapacity. The Þrst procedurerequiresthe DISCOs

to include a direct contract for new capacity in their portfolio of forward contracts. The second

augments payments in a capacity auction (ICAP) to cover the capital costof peakingcapacity. The

third allows price spikesto be higher in the spot market. Section3.5 comparethe long-run average

cost curve and averageprice curve. The results show that peak units with low capacity factors
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cannot recover their total cost from the spot market.

Direct Contracts are much lessexpensive than the other two procedures. A premium is paid

for each MW of new capacity, and the contract speciÞesthat new capacity will be built. The other

two proceduresare much more expensive becausein one casehigher capacity payments are paid

to all installed capacity, and in the other case,higher spot prices are paid for all on-peak load.

In addition, there is no guarantee with either of theselatter two proceduresthat any of the extra

money paid to generatorswill be used to build new peaking capacity. In spite of the high cost

of these two procedures,it is still not possibleto rely on market forcesto maintain the required

standard of systemadequacy. A contract to build the new capacity is the best way to ensurethat

systemreliabilit y will be maintained in the future as long as regulators continue to suppressprice

spikes.

This conclusion should be challenging for regulators and system operators. It implies that

they must be very preciseabout projected shortagesof capacity that threaten system reliabilit y.

It would be easyto slide into the samesituation that occurred under regulation and require too

much installed capacity. The starting point should be to announcethat shortagesof capacity are

projected in the future. This would be similar to the traditional role played by NERC in providing

a clearinghousefor information about new investment, retirements and load growth. The next step

is more di!cult. If a projected shortageof capacity becomesimminent, someform of intervention

is required. Although our results imply that direct contracting for new capacity is an e"ective and

relatively low cost procedure,there are many di"erent ways to implement the investment contracts.

Nevertheless,we believe that this approach to meeting reliabilit y standards is much better than

trying to modify prices in the market and putting the responsibility for maintaining reliabilit y on

Load ServingEntities (LSE).

Most researchersagreethat there is a fundamental ßaw in the current designof many deregulated

markets. Most customersstill pay a Þxedrate for electricity, and asa result, load is not asresponsive

to price as it could or should be. The results of our analysisin Section3.5 show very clearly how

expensive peaking capacity can be. With high price spikes, the averageprice paid by a DISCO

in forward contracts to cover the cost of new capacity is well over the regulated rate paid by

customers. Passingon thesehigh coststo someor all customersthrough critical peak pricing, for

example,would result in a major improvement in the economice!ciency of the market.
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In fairnessto the Australian market, it should be pointed out that allowing high price spikes

to occur may lead to lower averageprices in the long run. This was not the casein our analysis

becauseit dealt with short-run e"ects only, but it is an interesting topic for future research. There

is no doubt that high price spikesdo catch the attention of generators,LSEsand potential investors.

The real questionis whether this will lead to an acceptablelevel of investment and enoughcapacity

in the right locations to meet reliabilit y standards. However, it is unlikely that the increasedprice

volatilit y neededto attract new investorswould be politically acceptablein the USA. Under these

conditions, it is important for regulators to take the full responsibility for maintaining system

reliabilit y. Regulating LSEs to meet a dubious rule-of-Thumb standard, such as contracting for

load plus a reserve margin in an ICAP market, is unlikely to guarantee systemreliabilit y. When

investment opportunities in transmissionaswell asgeneratingare considered,it is clear that trying

to ÒcorrectÓmarket prices for real energy is a very unreliable way to ensurestandardsof system

reliabilit y and economice!ciency .
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APPENDIX

Table A1: ParameterEstimates: Daily on-peak Mean Temperature for NYC(1982-2003)
RegressionModel Parameter Estimate t ratio

! 0 56.90 676.21
Mean (13) ! 1 -8.75 -73.51

! 2 -20.54 -172.63
" 0 2.67 106.16

Variance (14) " 1 0.25 6.94
" 2 0.40 11.29
#1 1.48 26.42

ARMA (15) #2 -0.68 -17.69
#3 0.13 11.84
$1 0.81 14.46

Table A2: DeÞnition of Variablesfor the Load Model
Variable DeÞnition
L t logarithm of daily on-peak averageload demand at time t
mt dummy variable whosevalue is 1 if it is Monday and 0 otherwise
tut dummy variable whosevalue is 1 if it is Tuesday and 0 otherwise
wt dummy variable whosevalue is 1 if it is Wednesday and 0 otherwise
th t dummy variable whosevalue is 1 if it is Thursday and 0 otherwise
holidayt dummy variable whosevalue is 1 if it is Holiday and 0 otherwise
tr endt time trend
cddt cooling degreedays, cddt = max(Tt # 65, 0)

where Tt is the on-peak averagetemperature
hddt heating degreedays, hddt = max(65 # Tt , 0)

where Tt is the on-peak averagetemperature
sin 1t annual sine cycle
cos1t annual cosinecycle
sin 2t semi-annual sine cycle
cos2t semi-annual cosinecycle
sin 3t weekly sine cycle
cos3t weekly cosinecycle
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Table A3: ParameterEstimates: Daily On-peak AverageLoad (16) for NYC (Jan 2001-Aug2003)
Parameter Variable Estimate t-ratio
#1 Dt # 1 -0.185 -2.15
#2 Dt # 2 0.575 11.08
#3 Dt # 3 -0.082 -2.35
#4 Dt # 7 0.116 3.44
µ mean 8.71 1053.93
! 0 mt 0.097 15.13
! 1 tu t -0.071 -6.69
! 2 wt -0.175 -16.45
! 3 th t -0.139 -21.71
! 4 holidayt -0.185 -26.78
! 5 tr endt 0.00003 2.68
! 6 cddt 0.012 33.78
! 7 hddt 0.001 4.78
! 8 sin 1t -0.029 -6.00
! 9 cos1t -0.034 -6.06
! 10 sin 2t 0.042 9.27
! 11 cos2t 0.029 6.57
! 12 sin 3t 0.043 7.94
! 13 cos3t -0.194 -42.34
$1 %t # 1 -0.862 -10.66

Table A4: ParameterEstimates: Daily on-peak AveragePrice for NYC(Jan, 2001-Dec,2002)
RegressionModel Parameter Estimate t-value
High Regime(17) ! 1 -42.29 -4.20
(R2 = 0.64) ! 0 5.21 4.71
Low Regime(18) " 0 121.88 45.28
(R2 = 0.63) " 1 -28.31 -2.77

" 2 1.69 2.94
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